ABSTRACT: Fracture stimulation treatments of tight formations in the Cooper Basin can be associated with hydraulic fracture complexity that results in abnormally high treating pressures, low proppant placement and poor economic success. Pre-completion (image log and rock testing data) and post-completion data (fracture stimulation pressure decline plots) were reviewed in 13 treatment zones from the Cooper Basin. Rock strength, image log and stimulation data were available for seven of those zones.
INTRODUCTION
This paper shows that hydraulic fracture complexity in the Cooper Basin is caused by hydraulic fluid propagating along pre-existing geological weaknesses in response to high in situ stress and a large difference between the tensile strength of the intact reservoir rock and geological weaknesses. It is shown that high in situ stress and the likelihood of hydraulic fracture complexity in tight reservoirs can be predicted using image logs and knowledge of rock strength prior to the well's completion. The prediction of high in situ stress allows optimal completion and stimulation designs to be chosen prior to the fracture stimulation treatment.
TECHNICAL BASIS
Fracture stimulation treatments are routinely performed on oil and gas wells in low-permeability reservoirs. Fluids are pumped at high pressure and rate through perforated casing into the reservoir, causing a vertical (tensile) fracture to open at the wellbore wall. In an ideal stimulation treatment, the wings of the fracture extend away from the wellbore in the orientation of the maximum horizontal stress (S Hmax ) and open against the minimum horizontal stress (S hmin ) (Hubbert & Willis 1957; Haimson 1993) . Proppant (synthetic sand-like grains) is added to the treatment fluid and pumped into the hydraulic fracture to 'prop' it open once pumping stops (Smith & Shlyapobersky 2000) . Hydraulic fracturing aims to create a high-conductivity conduit between the wellbore and a large area of the reservoir, and to bypass any damage that may exist in the near-wellbore area (Smith & Shlyapobersky 2000) .
Some stimulation treatments do not result in 'ideal' hydraulic fracture propagation (Fig. 1 ). Multiple hydraulic fractures or tortuous fracture pathways, in which the fracture twists or turns as it grows away from the wellbore, can result in restricted fracture length and problems placing proppant, including early screen-out. Screen-out occurs when the proppant in a fracture fluid blocks a fracture or perforation and causes a sudden and significant restriction to fluid flow and rapid rise in pump pressure. Fracture tortuosity lowers the chance of effective hydraulic communication between the reservoir, the induced fracture and the wellbore.
In most wells, a 'mini-frac' or fluid injection test is conducted to determine critical features of the reservoir prior to the propped stimulation treatment (Fig. 2) . The pressure decline following a mini-frac injection provides a continuum of information about the near-wellbore and far-field behaviour of the hydraulic fracture (simple versus complex propagation) and of the far-field reservoir itself (Nolte 1988; Cleary et al. 1993; Thiercelin & Rogiers 2000) . The early pressure versus time record from mini-frac injection tests and specialized pressure versus time plots, known as G-function plots (Nolte 1979; Barree & Mukherjee 1996) , have been used herein to identify three main indicators of hydraulic fracture complexity in the Cooper Basin. A short overview of the indicators is given below and the reader is encouraged to consult the references listed for a more comprehensive description.
1. Near-wellbore pressure loss (NWBPL). Near-wellbore pressure loss is a sharp drop in pressure following the well being shut-in once the hydraulic fracture has been created ( Fig. 2 ). This sharp pressure drop is caused by near-wellbore restrictions which may be related to the casing perforations and/or complex fracture growth close to the wellbore (Cleary et al. 1993) . and Roberts et al. (2000) have shown that NWBPL in the Cooper Basin is predominantly due to near-wellbore fracture complexity. 2. High net pressure (P net ) at shut-in. High P net is a large pressure drop along the length of the created fracture at shut-in and indicates far-field hydraulic fracture complexity (Cleary et al. 1993; Wright et al. 1997) . The complexity may be due to interaction with natural fractures, the propagation of multiple hydraulic fractures or hydraulic fracture tortuosity. P net is the difference in pressure between the instantaneous shut-in pressure (the pressure at the end of the early-time (rapid) pressure decline period) and the fracture closure pressure (P c ; Fig. 2 ). 3. Pressure-dependent leak-off (PDL). Natural fissures and fractures alter fluid leak-off during fracture stimulation treatments, resulting in a distinct signature on a G-function plot ( Fig. 3 ) referred to as pressure-dependent leak-off (Barree & Mukherjee 1996) . The orientation of natural fractures within the in situ stress field affects the pressure at which the fractures open and accept hydraulic fluid and hence the leak-off is 'pressure dependent'.
For the purposes of this paper, 'hydraulic fracture complexity' is used where NWBPL, high net stress and pressuredependent leak-off are associated with a mini-frac or fracture stimulation operation.
Hydraulic fracturing of tight formations in the Cooper Basin is often associated with hydraulic fracture complexity which results in early screen-out (poor proppant placement), and short fracture lengths and poor commercial success Johnson & Greenstreet 2003) . It has been previously postulated that difficulty and complexity observed in fracture stimulation operations in the Cooper Basin are the result of a complex interaction between in situ stress and reservoir rock properties. and Johnson & Greenstreet (2003) suggested that high fracture pressures observed during fracture stimulation treatments in the Cooper Basin are caused by dendritic hydraulic fracture growth and/or horizontal hydraulic fractures forming in response to high in situ stresses. Roberts et al. (2000) identified NWBPL as a response to complexity caused by hydraulic fracture tortuosity (turning and twisting) as it grows from the perturbed near-wellbore environment to the far field. Johnson & Greenstreet (2003) suggested that PDL might occur in response to high in situ stress and layer decoupling or aggregate fractures forming along the dominant hydraulic fracture face.
The influence of geology on hydraulic fracture stimulation has been well documented in the literature. Pre-existing geological weaknesses (natural fractures, joints, faults and bedding planes) have been shown to open and reactivate during fracture stimulation operations and cause created fracture complexity in the form of high near-wellbore pressure loss, high net pressures and ultimate screen-out of conventional fracture treatments (Warpinski et al. 1993; Weijers et al. 2000; Cornet et al. 2007) . Further, high treating pressures required to place proppant in complex hydraulic fracture networks is believed force fluid flow along natural fracture planes and other geological weaknesses leading to even greater complexity (Barree & Winterfeld 1998) . Shear failure of intact reservoir rock has also been suggested as a mechanism contributing to hydraulic fracture complexity in some reservoirs (Settari et al. 2002) . Shear fracture development and fault/fracture reactivation has been observed by microseismic event mapping, particularly in water-frac treatments, but also to a lesser extent in conventional stimulation Chipperfield & Britt 2000) . P r refers to reservoir pressure and BHP to bottom-hole pressure. Fig. 3 . G-function derivative plot illustrating the pressure-dependent leak-off pressure signature or 'hump' (modified from Craig et al. 2000) .
treatments (Haimson 1968; Mayerhofer et al. 2000; Cornet et al. 2007) .
This paper uses image log data from 13 treatment zones (reservoirs in which fracture stimulation treatments were undertaken) and rock strength testing from seven of these treatment zones to determine geological weaknesses that might influence hydraulic fracture growth and to constrain the in situ stress tensor in individual reservoirs in the Cooper Basin. Wellbore failure observed in individual reservoirs on image logs is then used to predict hydraulic fracture complexity and in situ stress prior to well completion.
ROCK FABRICS IN THE COOPER BASIN
Image log data were interpreted to determine the relationship between pre-existing rock fabrics (geological weaknesses) and hydraulic fracture complexity, including PDL, NWBPL and high P net observed on mini-frac pressure declines in the Cooper Basin (Table 1) . Although PDL is often associated with naturally fractured reservoirs, the phenomenon can be attributed to any weaknesses in the reservoir along which hydraulic fluid can propagate (Barree & Mukherjee 1996) . It is generally very difficult to determine whether fractures or fabrics reactivated during stimulation contribute to production, although efforts to distinguish the difference are being made by analysing the mini-frac pressure decline following closure of the main fracture (Chipperfield 2005) .
Two main classes of rock fabric were identified on the 13 image logs examined in the Cooper Basin (Fig. 4) . These include steeply dipping natural fractures and a sub-horizontal to gently dipping fracture set (that were interpreted herein as 'unloading' fractures). In some wells, the geological 'fabrics' were interpreted to be open and hydraulically conductive in the near-wellbore environment. This interpretation was based on the observation that the fabrics were electrically conductive (due to the invasion of conductive drilling mud) and appeared dilated and 'washed out' with irregular (non-planar) surfaces. The dilated fabrics are held open by the perturbed nearwellbore stress concentration that is created by the removal of rock during drilling (Kirsch 1898; Jaeger & Cook 1979) .
Steeply dipping natural fractures were observed on image logs in four of the 13 treatment zones analysed as part of this study ( Table 1 ). The fractures were electrically conductive and resistive and are sparsely spaced (1 fracture per 5-10 m) in all treatment zones. The natural fractures are variably orientated, dip between 40 and 80 and are believed to have formed in response to local stresses. The second class of fabric is a sub-horizontal to gently dipping (0 to c. 25 ) fabric that occasionally crosscuts bedding and was identified in eight of the 13 treatment zones. The fabric is interpreted to be open and dilated at the wellbore wall (Fig. 4, Table 1 ). The exact nature of the fabric is unclear; however, it is believed to be caused by horizontal tensile microfractures that have been observed in core and thin section in the Cooper Basin (Flottmann et al. (Flottmann et al. 2004) . For the purposes of this paper the two geological fabrics described above are referred to as 'geological weaknesses'.
ROCK STRENGTH IN THE COOPER BASIN
Rock strength testing was undertaken to help constrain the in situ stress tensor (particularly the magnitude of S Hmax ) and to help understand hydraulic fracture initiation and propagation in the Cooper Basin. The results of the triaxial and Brazilian tests conducted as part of the study are summarized in Table 2 and discussed below.
Triaxial testing was undertaken on 11 core samples from seven of the 11 treatment zones analysed ( Table 2 ). The samples were vacuum-saturated to 30% with 10 000 ppm NaCl brine, then jacketed with a flexible rubber membrane and installed in the triaxial cell. The transducers for measuring the sample axial and radial displacements and axial load were then fixed in place. After the required effective cell pressure was established and sample deformations ceased, the axial stress was increased at a constant axial strain rate until a residual strength was observed. The axial strain rate adopted was sufficiently slow to allow an essentially drained condition inside the sample (usually less than 1% per hour). The triaxial tests comprised four stages and were loaded to confining pressures of 5, 15, 30 and 45 MPa.
The triaxial tests results reveal that rock strengths are variable in the Cooper Basin. Uniaxial compressive strengths (C o ) range from 26 MPa to 93 MPa and coefficients of friction range from µ=0.41-1.1 (Table 2 ). In general, the reservoir samples are very strong compared with 'average' reservoir sandstone samples where µ0.6 and C o 60 MPa (Handin 1969) . Implications of the strength of the tested rock samples on hydraulic fracture complexity will be discussed further in a later section.
Tensile rock strength testing was undertaken on 34 samples from seven of the 13 treatment zones analysed in this study (Table 1) . The samples were vacuum-saturated to 30% with 10 000 ppm NaCl brine then jacketed with a flexible rubber membrane and installed in a Brazilian test cell. In a Brazilian tensile strength test the samples are loaded axially until failure. The loading causes a tensile deformation perpendicular to the loading direction, which results in tensile failure. Knowledge of the ultimate load and the dimensions of the specimen allow the tensile strength of the material to be calculated indirectly. Results of the tensile rock strength testing indicate that reservoir rocks in the Cooper Basin have tensile strengths of 3.8-15.1 MPa (551-2176 psi; Table 2 ). The significant tensile strength of reservoir rock in the Cooper Basin is noteworthy as in most geomechanical studies the tensile strength of rock is assumed negligible (Byerlee 1978) .
IN SITU STRESS
High in situ stress has been proposed as a mechanism for complex hydraulic fracture propagation in the Cooper Basin (Johnson & Greenstreet 2003) . The following summarizes relevant studies undertaken by previous authors on defining the in situ stress tensor in the Cooper Basin Reynolds et al. 2005a, b) . A method for determining in situ stress by reservoir (layer) will be discussed in the following section and in Appendix A).
Vertical stress magnitude
The vertical stress has been shown to vary considerably across the Cooper Basin (Reynolds et al. 2005a) . Vertical stress profiles determined by Reynolds et al. (2005a) (Fig. 6 ). The variability in vertical stress may be due to variable uplift and exhumation across the Cooper Basin (Mavromatidis & Hillis 2005) and/or may be due to the variation in the thickness of low-density coals in the Cooper Basin.
Orientation of the maximum horizontal stress
The orientation of the maximum horizontal stress in the Cooper Basin can be determined using breakouts and drillinginduced tensile fractures (DITF) observed on image logs and/or caliper logs (Reynolds et al. 2005b) . The orientation of S Hmax is predominantly east-west (090 N) throughout the Cooper Basin although there appears to be some local stress rotation adjacent to faults (Fig. 7) .
Minimum horizontal stress magnitude
The magnitude of the minimum horizontal stress can be determined from the fracture closure pressure (P c ) measured during a mini-frac injection where the fracture formed is vertical and orientated perpendicular to S hmin (Bell 1996) . At the point of fracture closure, the fluid pressure in the fracture is equal to S hmin (Fairhurst 2003) . Mini-frac closure pressures were determined from mini-frac pressure declines using the G-function and following the methodology of Mukherjee et al. (1991) . Only mini-fracs conducted in reservoirs at hydrostatic pressure were used herein to remove any possible effects of pore pressure-stress coupling on the S hmin magnitude (Breckels & van Eekelen 1982) . Analysis of closure pressures from mini-fracs in this study revealed they ranged from 0.55 psi ft 1 to 1.2 psi ft 1 (12.4-27.2 MPa km 1 ) in the Cooper Basin (Fig. 8) . These values are consistent with previous studies undertaken by other authors Reynolds et al. 2005a) . Nelson et al. (2007) have suggested that closure pressures determined from minifrac tests in the Cooper Basin may not be representative of S hmin because these pressures represent the closure of preexisting geological fabrics as opposed to that of induced vertical fractures created perpendicular to S hmin . They have used the sub-horizontal 'unloading' fractures observed to be open and dilated at the wellbore wall in some of the treatment zones to constrain S hmin to >0.8 psi ft 1 in the Cooper Basin, independently of mini-frac data (see Appendix A). For the purposes of this paper it is assumed that closure pressures are equal to S hmin where no hydraulic fracture complexity is observed ( Table 3 ). Given that it is impossible to determine S hmin accurately in complex environments, this paper follows the discussion of Nelson et al. (2007) and assumed that where hydraulic fracture complexity has been measured during mini-frac injections, the minimum horizontal stress is equal to 0.84 psi ft 1 (Table 3) .
Maximum horizontal stress magnitude
The magnitude of S Hmax can be determined using frictional limit theory (Sibson 1974) or where breakouts or DITFs are observed on image logs and where the compressive rock strength or tensile rock strength is known (Bell & Gough 1979; Brudy & Zoback 1999; Reynolds et al. 2005a) . Reynolds et al. (2005a) used frictional limit theory and the observation of DITFs to constrain the S Hmax magnitude to between 1.71 psi ft . Nelson et al. (2007) have shown that the magnitude of S Hmax can be constrained using the observation of dilated sub-horizontal 'unloading' fractures where rock strength, P w , pore pressure (P p ) and S v are known. This method constrained S Hmax to approximately 41.9 MPa km 1 (1.85 psi ft 1 ) in the Cooper Basin (Appendix A). The methods for determining S Hmax are outlined in detail in Appendix A and the results tabulated in Table 3 .
Using image logs to predict in situ stress in the Cooper Basin
The in situ stress tensor has been constrained in individual reservoirs in seven treatment zones using knowledge of rock strength, wellbore failure on image logs and mini-frac data (Table 3) . It is interesting to note that wellbore failure is most pervasive in reservoirs where sub-horizontal fractures or minifrac data constrain S hmin X0.8 psi ft 1 (18.1 MPa km 1 ). This includes the SL5, SL4, DN15, DN18, M73 (Pa) and B54 treatment zones (Tables 1 and 3 ). Where only vertical DITFs or no wellbore failure at all are observed, closure pressures indicate that S hmin is low. This is the case in the P11, B6 and BR3 treatment zones, where closure pressures were interpreted to be 0.61, 0.7 and 0.68 psi ft 1 , respectively. The relationship between wellbore failure and the interpreted S hmin magnitude suggests that the interpretation of wellbore failure on image logs is a powerful way to predict in situ stress prior to pump-in in the Cooper Basin.
IN SITU STRESS, ROCK STRENGTH, GEOLOGICAL
WEAKNESSES AND HYDRAULIC FRACTURE COMPLEXITY Treatment zones analysed herein can be grouped into three 'types' on the basis of near-wellbore and far-field hydraulic fracture complexity, in situ stress, rock strength and the existence of geological weaknesses identifiable on image logs (Table  1 ; Fig. 9 ). Once the different types of treatment zone are recognized, strategies can be developed to optimize well completions and stimulation designs.
+ 'Type 1' reservoirs are characterized by high in situ stress, high tensile strength, weak geological fabrics and high hydraulic fracture complexity. + 'Type 2' reservoirs are characterized by high in situ stress and high tensile strength; however, they are not associated with weak geological fabrics or high hydraulic fracture complexity. + 'Type 3' reservoirs are characterized by low in situ stress and low tensile strength. They are not associated with weak geological fabrics or high hydraulic fracture complexity.
'Type 1' reservoirs
The co-occurrence of hydraulic fracture complexity (witnessed by pressure records for the treatment) and observed preexisting geological weaknesses (natural fractures and subhorizontal 'unloading' fractures) suggest that hydraulic fractures formed during fracture stimulation of 'Type 1' reservoirs exploit pre-existing geological weaknesses and create a complex hydraulic fracture network rather than a simple, dominant, ), allows hydraulic fluid to propagate along multiple hydraulic fracture pathways during 'Type 1' mini-frac injections.
The effect of increasing pore pressure (P p ) on rock failure is well documented in the literature (Terzaghi 1943; Jaeger & Cook 1979) . The amount of P p increase ( P p ) required to cause failure of intact rock can be constrained if both the failure envelope and the in situ stress tensor are known accurately (Mildren et al. 2002) . Griffith-Coulomb failure envelopes derived from rock strength testing and Mohr circle diagrams constructed using knowledge of the in situ stress tensor in the Cooper Basin indicate that shear failure is likely with increase in P p in 'Type 1' reservoirs (Fig. 10) . The P required to fracture the intact rock for the treatment zones in which rock strength data were available is given in Table 4 . It is important to note that the P values indicate only the relative distance to failure as both the stress tensor and the failure envelope are likely to have some degree of error associated with them. The effective treating pressures (treating pressure P p ) measured in the 'Type 1' reservoirs exceed the estimated pressure ( P) required to fracture intact rock (Table 4) . Shear failure of intact rock during fracture stimulation treatments in 'Type 1' reservoirs may also contribute to complex hydraulic fracture growth.
A structural permeability diagram can be used to show the P required to reactivate fabrics of different orientations (Mildren et al. 2002) . (Fig.  11) . A failure envelope for the pre-existing weaknesses of negligible tensile strength and a coefficient of friction of 0.6 (following Sibson 1996) was assumed. Planes that plot in the red region of the diagram are close to reactivation and planes that plot in the blue region are less likely to reactivate. A yellow circle has been superimposed on the diagram to represent the maximum dip of the dilated sub-horizontal fractures, and two green circles represent the minimum and maximum dip of natural fractures observed in the 'Type 1' reservoirs (Fig. 11) . The figure shows that an average 'Type 1' treating pressure (1.42 psi ft 1 ; Table 1 ) will reactivate a large range of fracture orientations, causing the development of a complex hydraulic fracture 'network'.
'Type 1' reservoirs are also characterized by significant wellbore failure (borehole breakout) resulting in severe borehole ovalization (Table 1) . It is believed that the borehole breakout forms in response to high stress anisotropy that is 'partitioned' into the 'strong' reservoirs in the Cooper Basin. Extensive borehole breakout is restricted to the high stress ('Type 1' and '2') reservoirs and with compressive rock strengths of >8700 psi (>60 MPa).
Type 2 reservoirs 'Type 2' reservoirs are characterized by high tensile strength (>1015 psi/7 MPa) and high closure pressures ) determined independently of mini-frac closure pressures in the 'Type 1' reservoirs (Appendix A). The extent of borehole breakout and the rock strengths measured in the 'Type 2' reservoirs are very similar to those measured in the 'Type 1' reservoirs.
It is proposed that where hydraulic fractures do not intersect suitable pre-existing geological weaknesses, the wellbore pressure exceeds S hmin and the tensile strength of the reservoir rock, and an ideal, simple, bimodal fracture initiates. It is believed that the closure pressures measured in 'Type 2' reservoirs are representative of S hmin because no hydraulic fracture complexity is observed. It is also thought that the in situ stress magnitudes in 'Type 1' and '2' reservoirs are broadly similar.
'Type 3' reservoirs 'Type 3' reservoirs are characterized by low tensile strength (<580 psi/4 MPa) and low closure pressures (<0.75 psi ft 1 / 17 MPa km 1 ). As with the 'Type 2' reservoirs, no hydraulic fracture complexity or pre-existing geological weaknesses are observed in the 'Type 3' reservoirs and, hence, closure pressures are believed to be representative of S hmin . Only vertical DITFs and no breakouts are observed in the 'Type 3' reservoirs. The low tensile strength of the 'Type 3' reservoirs may help facilitate the initiation of a simple, bimodal tensile fracture at the wellbore wall during drilling (DITFs) and fracture stimulation (simple hydraulic fractures). The low in situ stress in these reservoirs may account for the absence of borehole breakouts in 'Type 3' reservoirs.
IMPLICATIONS FOR STIMULATION DESIGN AND
WELL COMPLETIONS The analysis of rock strength data, geological weaknesses and hydraulic fracture complexity above has revealed that fracture stimulation treatments in some reservoirs in the Cooper Basin create or reactivate a complex 'fracture network'. This complex network is formed by either hydraulic fractures exploiting pre-existing planes of weakness in the reservoir or by shear failure of intact rock (although creation of shear fractures is believed to be unlikely in conventional type stimulations). The practical implications of the above conclusion and of the approach used herein to predict in situ stress and hydraulic fracture complexity are discussed below.
Determining in situ stress by reservoir (layer)
Conventional techniques for estimating stress in order to place hydraulic fracture jobs have significant limitations. In the petroleum sector -and particularly in the hydraulic fracturing community -wireline log-based algorithms are used to estimate stress and rock strength by reservoir (layer). These algorithms are used to predict hydraulic fracture height and length and to help design fracture stimulation treatments. Most of the algorithms use sonic log data to determine elastic properties (eg. Poisson's ratio and Young's modulus) and require a tectonic or strain-based constant to calibrate the model with known values (Raaen et al. 1996; Blanton & Olson 1999; Chang 2004) . Using a constant tectonic component is unrealistic where lithologies vary significantly downhole because individual rock units behave differently under the influence of the applied load (in situ stress tensor) depending on their elastic properties (referred to as stress partitioning).
Strain-based models are often used to account for stress partitioning; however, these models assume that each lithological layer is coupled (i.e. not free to slip) and that the rock properties (e.g. Young's modulus) estimated at the wellbore are descriptive of that layer laterally away from the wellbore (Johnson 1996) . In laterally heterogeneous reservoirs or in reservoirs where slip is possible along bedding planes or other pre-existing weaknesses, these assumptions are not met and the method is unsatisfactory. Table 5 lists S hmin magnitudes predicted using a conventional strain-based model with log-derived elastic properties and the actual S hmin magnitude determined from mini-frac closure pressures from four treatment zones (sands) in a single Cooper Basin well. The table indicates that stress varies considerably by reservoir downhole and that estimates of stress in different lithological units can be significantly in error where strain-based models are used in the Cooper Basin.
The method for estimating in situ stress that has been developed herein (using image logs) avoids making the above assumptions because it determines in situ stress magnitude by reservoir (or layer) using only observed wellbore failure and measured rock strengths. The method is useful because it can predict stress variation by reservoir (layer) and can predict the likelihood of hydraulic fracture complexity, including near wellbore pressure loss and net stress prior to pump-in. Hydraulic fracture complexity could not be estimated previously using the conventional stress modelling techniques outlined above. However, the approach developed herein is limited in that it cannot be used to predict in situ stress quantitatively.
Impact on completion strategies
There is significant value in being able to predict hydraulic fracture complexity prior to well completion. If high treating pressures are expected then the wellhead, tubing and casing design needs to be capable of withstanding the pressures required to fracture stimulate successfully.
Oriented perforations are often considered in areas where hydraulic fracture complexity occurs. This is because hydraulic fracture complexity (in particular NWBPL) is often attributed to fractures initiating at the perforations and then twisting as they grow away from the wellbore to align with respect to the in situ stress tensor. However, in cases such as the Cooper Basin, where hydraulic fracture complexity is a result of intrinsic rock properties, completion options such as oriented perforating are unlikely to succeed.
Analysis of image logs may also impact on the fluids chosen for the stimulation. High rate/high viscosity treatments have been shown to be able to mitigate hydraulic fracture complexity in some regions (Weijers et al. 2002) . Gel slugs have been used in the Cooper Basin and have shown success in some fields; however, they are unsuccessful where fracturing pressures exceed 1.05 psi ft 1 Roberts et al. 2000) . It is believed that this is because the gel slug is unable to block all complexity inherent in the reservoir (natural fractures and other planes of weakness) and hence the hydraulic fracture growth remains complex and leads to early screen-out and inefficient treatments.
Although conventional stimulation designs attempt to mitigate hydraulic fracture complexity, some authors have suggested that enhancing the complexity may in fact benefit the stimulation. Rahman et al. (2000) suggested proppant-free shear stimulation (or water-fracing) as a possible way to alleviate the effect of multiple fractures that contribute to high NWBPL and early screen-out in the Cooper Basin. These types of stimulation aim to reactivate as many geological weaknesses as possible to create an interconnected fracture network to enhance permeability in the reservoir. Water-fracs have enjoyed good success in the East Texas Cotton Valley, the Barnett shale and the Bossier Formation, where microseismic monitoring indicates reactivation of an extensive natural fracture network (Mayerhofer et al. 2000; Fisher et al. 2004; Sharma et al. 2004) . It is suggested that water-fracs should also be successful in 'Type 1' reservoirs in the Cooper Basin, especially where low proppant concentrations and long injectivity times are used to allow the reactivation of as many 'geological weaknesses' as possible.
Impact on well performance
The ability to predict hydraulic fracture complexity in individual reservoirs and rock units would have an enormous impact on well performance. In reservoirs where fracture propagation is complex, conventional stimulation treatments result in low performance due to inadequate fracture length and or poor connectivity between the well and reservoir. However, nonconventional techniques, such as water-fracs, may reactivate existing weaknesses and potentially even create new shear fractures within the rock. This means that water-frac-type treatments may stimulate a volume of rock that the well can access as opposed to a simple bi-planar fracture. Microseismic data indicate that a similar process may be the reason for the high success of water-frac treatments in the Barnett and Bossier fields (Mayerhofer et al. 2000; Fisher et al. 2004; Sharma et al. 2004) .
Whilst this paper has focused on using geological information to help optimize stimulation in the Cooper Basin, the method is equally valid in any field where complex hydraulic fracture initiation and propagation results in poor success of fracture stimulation treatments. This could potentially include reservoirs with high stress and rock strength (for example the Appalachian Basin in the USA (Willis et al. 2005) ), or those with very low primary permeability, but which have high rock strength anisotropy, such as laminar shales or naturally fractured reservoirs (for example basins in Algeria and the Southern North Sea (van Batenburg & Hellman 2002) ).
FIELD IMPLEMENTATION PROCEDURE
The integration of image logs, rock strength data and injection test data has been shown to enable recognition of stress variations between layers and to allow prediction of hydraulic fracture complexity in individual reservoirs. The generalized approach to determining stress in individual reservoirs and to predict hydraulic fracture complexity using image logs, rock strength testing and injection tests developed herein is outlined below.
1. Interpretation of image logs. Assess and characterize wellbore failure (breakouts and DITFs), its relationship to lithology (with the aid of the mudlog and wireline logs) and its interaction with geological weaknesses (e.g. bedding and natural fractures). 2. Assessment of rock strength. Conduct multi-stage triaxial testing and/or tensile strength testing of samples from the reservoirs of interest (in the case of this study, the treatment zones) or as many lithological units as required. Brazilian tests (which are very inexpensive) were adequate to assess the variability in rock strength between reservoirs in the Cooper Basin. 3. Analysis of injection tests. Determine the fracture closure pressure and characterize hydraulic fracture complexity using pressure versus time and pressure versus G-time plots for injection tests. 4. Determination of the in situ stress tensor. Constrain the full in situ stress tensor either in the interval of interest or by layer using wellbore failure, rock strength test results and injection test data, as described previously and in Appendix A. 5. Consider the impact on proposed completion/stimulation design. If complex hydraulic fracture propagation is predicted, non-conventional stimulation designs (such as water fracs) should be considered. Given the intrinsic nature of the fracture complexity, gel slugs and oriented perforating should be avoided and high treating pressures should be expected.
Local empirically derived wireline log algorithms could replace Steps 2 and 3 where there is enough well control in individual fields. Other methodologies, such as the approach of Britt et al. (2004) , for determining rock strength parameters from triaxial testing of sidewall cores could also be incorporated into the methodology and in this example might be an alternative to Step 2 where core is unavailable.
CONCLUSIONS
Fracture stimulation in tight formations in the Cooper Basin can be associated with hydraulic fracture complexity, as witnessed by the pressure records for fracture treatments, failure to place proppant within the induced fracture and little improvement in subsequent gas flows. Image logs and rock strength data from intervals subject to hydraulic fracturing in the Cooper Basin reveal three types of behaviour.
'Type 1' reservoirs have high in situ stress, pre-existing geological weaknesses and a large anisotropy in tensile strength between intact rock and the pre-existing geological weaknesses. In these intervals it is interpreted that the observed hydraulic fracture complexity is due to propagation of fracturing fluid along the pre-existing geological fabrics, as opposed to the creation of 'ideal', planar fractures.
'Type 2' reservoirs have high in situ stress; however, they do not have pre-existing geological weaknesses that can be exploited during the stimulations. It is believed that hydraulic fractures propagate in simple bimodal fracture geometry in these reservoirs. However, reasonably high treating pressures may be required to overcome the tensile strength of the reservoir (>7 MPa) and S hmin .
'Type 3' reservoirs have low in situ stress and no pre-existing geological weaknesses that can be exploited during the stimulations. Hydraulic fractures in these reservoirs should initiate at reasonably low injection pressures, as the tensile strength in 'Type 3' reservoirs is low. It is believed that hydraulic fractures propagate in simple bimodal fracture geometry in these reservoirs.
In tight formations, such as those of the Cooper Basin, image logs and rock-strength data can be used to predict the probable type of behaviour prior to completion. Such prediction can influence the well completion design, including the strength of casing and the wellhead and perforation design. Furthermore, the use of low-density fluids (water-fracing) may be preferable in 'Type 1' reservoirs where low viscosity fluid may reactivate geological weaknesses and form a fracture network that enhances permeability in the tight reservoirs. The analysis of image logs and knowledge of rock strength can allow stimulation treatments to be tailored to individual sands and reservoirs encountered downhole to optimize both the technical and economic success of the fracture stimulation.
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APPENDIX A: Constraining the in situ stress tensor using knowledge of tensile strength and horizontal fractures at the wellbore wall Since the analysis of multidisciplinary data undertaken herein suggests that closure pressures in wells with measured hydraulic fracture complexity may not be representative of S hmin , another method of estimating in situ stress in the Cooper Basin was employed. Horizontal planes that are observed to open and dilate in the near-wellbore environment can be used to constrain the in situ stress tensor (Jaeger & Cook 1979; Nelson et al. 2005) . Tensile failure occurs at the wellbore wall when the minimum circumferential stress (stress tangential to the wellbore) becomes less than the tensile strength of the rock. The criterion for formation of axial drilling-induced tensile fractures in elastic, impermeable rocks in vertical wellbores can be represented by equation (A1):
where min is the minimum circumferential stress, P is the difference between the mud weight and pore pressure and T is the tensile strength of the rock to horizontal loading (Hubbert & Willis 1957; Peska & Zoback 1995) . Assuming elastic impermeable rocks, two criteria must be met to facilitate the opening of pre-existing horizontal fractures (weaknesses) in tension.
1. The axial wellbore stress must be less than or equal to the tensile strength of the horizontal fractures (T). In most cases, the tensile strength of bedding planes and fractures is much less than that of the intact rock and can be assumed negligible ( zz #0 ). 2. The circumferential stress must be greater than the tensile strength (T ) of the intact rock to horizontal loading, precluding the formation of vertical DITFs. The axial stress around the wellbore can be written:
Assuming horizontal fractures open when $TЈ and zzmin #T and the strength of pre-existing fabrics/weaknesses (T) is negligible, equations (A1) and (A2) can be re-written: . P w and P p were assumed to be near-hydrostatic. T =8.
Equations (A3) and (A4) can be used to determine the upper and lower bounds to S Hmax where horizontal fractures are observed to be open on image logs in vertical wells and where T, T , S v , S hmin , P w and can be determined from wireline log data and rock strength testing. The range of possible relative principal stress magnitudes for normal, strike-slip and reverse faulting environments can be visualized on an allowable region diagram (Moos & Zoback 1990; Zoback et al. 2003) . The allowable stress conditions for a particular geographical region are assumed to lie within an area defined by frictional limits (Fig. A1) . Frictional limit theory states that the magnitude of S Hmax can be constrained in strike-slip and reverse faulting environments by assuming that the ratio of the maximum to minimum effective stress cannot exceed the magnitude required to cause faulting on an optimally orientated pre-existing fault (Sibson 1974) . The frictional limit to stress is given by:
where µ is the coefficient of friction on an optimally orientated pre-existing fault, S 1 is the maximum principal stress and S 3 is the minimum principal stress. The above equation effectively states that if the ratio of S 1 ‫מ‬P p /S 3 ‫מ‬P p exceeds µ then slip will occur; hence frictional limits provide an upper bound to S Hmax where it is the maximum principal stress. Frictional limits constrain the allowable values of S Hmax to within the black outline in Figure A1 (where µ=0.8; the average from rock strength testing). The grey lines represent S Hmax =S v and S hmin =S v and separate the normal, strike-slip and reverse fault regimes (Fig. A1) , as defined by Anderson (1951) .
Equations (A3) and (A4) can be plotted as lines on the allowable region diagram facilitating determination of the stress region in which horizontal fractures might open (Fig. A1) Figure A1 . Similarly, the criterion zz =0 (equation (A4)) constrains the allowable values of S Hmax to the left of the blue line in Figure A1 . The effect of the intact rock (vertical) tensile strength (T ) and on the allowable stress region for opening of horizontal fractures at the wellbore wall is shown in Figure A1 ) assuming T =7, µ=0.8 and 0.24. The above method allows the in situ stress tensor to be constrained in the 'Family 1' type reservoirs in the Cooper Basin; however, it cannot be used in treatment zones (reservoirs or other lithological units) where no open, dilated subhorizontal fractures exist at the wellbore wall. For the purposes of this analysis it has been assumed that closure pressures are equal to S hmin , where no hydraulic fracture complexity is observed. Where hydraulic fracture complexity has been observed, the minimum horizontal stress has been assumed to be 0.84 psi ft 1 in line with the discussion above and considering the closure pressures in the 'Type 2' reservoirs. The minimum principal stress is believed to be the same magnitude in the 'Type 1' and '2' reservoirs; however, it can be determined accurately only from closure pressures in the 'Type 2' reservoirs, where no hydraulic fracture complexity is observed.
The S Hmax magnitude can be determined in all rock units (treatment zones/reservoirs/horizons) where breakouts or axial drilling-induced tensile fractures are observed on image logs and where the compressive or tensile rock strength, respectively, is known (Bell & Gough 1979; Jaeger & Cook 1979; Brudy & Zoback 1999) .
Circumferential stress and axial stress were plotted with respect to position around the wellbore wall for each of the control wells. The circumferential stress around the borehole wall is given by equation (A6):
= ͑SЈ Hmax + SЈ hmin ͒ ‫מ‬ 2͑SЈ Hmax ‫מ‬ SЈ hmin ͒cos2 ‫מ‬ ͑P w ‫מ‬ P p ͒
where S Hmax and S hmin are the effective horizontal stresses and is the angle measured clockwise around the wellbore from S Hmax . A vertical stress of 0.95 psi ft 1 (21.5 MPa km 1 ) was assumed for all treatment zones. The values of P p and P w at the time of the image log run were obtained from well completion reports and fracture stimulation reports. It has been suggested that where closure pressures are associated with high instantaneous shut-in pressure (ISIP), high NWBPL and high P net they may not be representative of the minimum principal stress. For this reason only closure pressures associated with simple hydraulic fracture geometries were used directly as a measure of S hmin . Where closure pressures were associated with complex fracture geometry, a value of 0.84 psi ft 1 (19 MPa km 1 ) was assumed. The magnitude of the maximum horizontal stress can be varied until the circumferential stress profile matches the wellbore failure observed on the image logs. Figure A2 ); + zzmin became less than zero (the assumed tensile strength of the pre-existing plane), and; + min remained greater than the tensile strength of the rock (represented by the light grey line on Figure A2 ), precluding the formation of vertical DITFs. The modelled stress tensors for all 'control' well treatment zones are outlined in Table 3 .
